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1. Abstract

Mineral precipitation from formation brines remains a major operational challenge for maintaining
injectivity during CO, storage. This study examines how salts and carbonates form and evolve under
different temperature, pressure, and salinity conditions, especially when calcite acts as the cementing phase
in the reservoir rock. The goal is to understand what controls scaling, how these reactions affect flow
performance, and which operating condition adjustments can help minimize injectivity loss.

A set of non-isothermal thermo-hydro-chemical simulations was carried out to capture the coupled effects
of multiphase flow, heat transfer, and mineral reactions. The model system consisted of H>O, CO,, NaCl,
CaCl,, and CaCOs to represent the primary species controlling precipitation and dissolution. Different
injection rates, injection temperatures and salinity levels were tested to mimic realistic reservoir conditions.
Scenarios also evaluated how varying the degree of calcite cementation affects permeability and near-
wellbore response. The injectivity index was the metric used to compare the different scenarios.

The simulations indicate that higher salinity and lower temperatures favor the precipitation of salt and
carbonate, leading to pore throat blockage and a decline in injectivity. When calcite is present, an initial
phase of mild dissolution may slightly enhance flow before secondary carbonate precipitation begins to seal
the same pathways. Increasing the injection temperature within safe operational limits helps delay
precipitation and stabilize performance. Lower injection rates and salinity levels further reduce the risk of
scaling.

This work bridges geochemical modeling and field operations by identifying practical levers to control
mineral precipitation during CO> injection. Adjusting injection temperature, moderating flow rates, and
pre-conditioning brine all show measurable benefits. The insights help translate complex mineral—fluid
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reactions into operational guidelines for designing injection strategies that preserve injectivity and extend
well life for CO; storage projects.

2. Introduction

Geologic carbon sequestration is a critical strategy to mitigate the impact of climate change by reducing
carbon emissions from the atmosphere and pave the way towards a carbon-neutral future. For CO, storage,
there are various geological formations such as deep saline aquifers, depleted oil and gas reservoirs, and
coal beds (IPCC, 2005). Among the above-mentioned, deep saline aquifers exhibit the greatest storage
potential, with an estimated storage capacity of 400 to 10,000 gigatonnes (Ismail, I. et al., 2023). Their
widespread distribution, significant pore volumes, and ability to develop various CO: trapping mechanisms
make them strong candidates for large-scale storage (Bachu et al, 2015), which has been demonstrated at
various globally deployed commercial projects such as Gorgon project - Australia and Sleipner Project -
Norway (Baig, A.R. et al, 2025).

When CO; is injected into saline aquifers, it undergoes various geochemical processes, including CO,
dissolution, brine acidification, and mineral precipitation (IPCC, 2005; Mitchell, 2010). The initial
dissolution can enhance the porosity and permeability of the formation, whereas secondary mineral
precipitation can decrease permeability and impede CO; injectivity into the formation (Gaus et al., 2005;
Benson et al., 2008). The major challenge is to quantify the effects of fluid-rock interactions on injectivity
and long-term storage efficiency in saline aquifers.

Recent studies have focused on examining the kinetics of geochemical reactions during CO, sequestration
through both laboratory experiments and 3D simulation modeling. Hussain et al. (2025) highlighted that
COz—brine reactions with calcite and dolomite may alter injectivity through mineral dissolution and
precipitation. F. Tale et al. (2025) have identified permeability enhancement due to CO»-saturated brine
injection in a calcite-based formation. Elsayed, T. et al (2024) investigated the dissolution of calcite that
results in permeability enhancement due to reaction with carbonic acid and the ultimate impact of
geochemical reactions in CO; Plume Geothermal (CPG) systems using Thermo-Hydro-Chemical-
Mechanical (THCM) modeling. Al Magbali et al. (2023) investigated mineralization phenomena in
basaltic formation through sensitivity analyses of reaction kinetics and temperature, and identified a
reduction in porosity due to calcite precipitation. Hussain et al. (2021) simulated and demonstrated that CO:
injectivity and in-situ performance are strongly controlled by CO: solubility and reaction kinetics in brine,
which govern fluid—rock chemical interactions. All these studies have highlighted the need for coupled
Thermo-Hydro-Chemical (THC) modeling of CO: dissolution kinetics, which is critical for predicting
mineral reactivity and injectivity evolution in subsurface CO: applications. In addition to the investigation
of reaction kinetics, this study aims to fill a research void by identifying the key operational parameters that
can be optimized to mitigate near wellbore precipitation and improve long-term CO> storage.

3. Theory and/or Methods
3.1 Base Model

This study is focused on a hypothetical 3D reservoir simulation model highlighted in Figure 1, featuring a
saline aquifer of 60m thickness, capped by a 40m thick layer of impermeable shale. A CO; injector well
has been placed having a perforation interval ranging from 1590m to 1600m. Table 1 highlights the key
parameters of the CO; injection system. Multiple simulations were carried out to comprehensively analyze
the near wellbore precipitation phenomena. The base case simulation comprised of 1.0 M-Ton/yr injection
rate for a period of 6 months, followed by a shutdown period of 3 years. Sensitivity analysis was then
performed based on different injection rates, injection temperatures, and formation brine salinities. Solid
Saturation, Saturation Diameter, Injection Pressure and Injectivity Index results were compared to gauge
the near wellbore permeability reduction.
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Figure 1: 3D Model representing the CO, injection in Saline Aquifer

Symbol Description Value Unit
kn Horizontal Permeability 250 md
k/kn Permeability Anisotropy 0.3 md
k Shale Permeability 0.001 md
D Shale Porosity 0.2 -
D Reservoir Porosity 0.2 -
H Reservoir Thickness 60 m
P, Reservoir Pressure 158 bar
T Reservoir Temperature 65 °C
- Brine Salinity 70,000 ppm
D Top of Depth 1500 m

Table 1. Nomenclature and Parameters of the CO; injection system

3.2 Chemical Interactions

This study was based on a five-component model for CO; injection system, consisting of H,O, CO», NaCl,
CaCl,, and CaCO:s. Following chemical reactions were considered for the modeling:

3.3 Injectivity Index

H>0 + C0O> & H»C03
CaCO0s; + H,CO3 & Ca* +2HCO; ~

Analogous to the productivity index, the injectivity index quantifies the efficiency of the reservoir in
accepting injected fluids and is defined as the ratio of the injection rate to the differential between injection
and reservoir pressure. A higher injectivity index exhibits lesser near wellbore permeability impairment,
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which is the metric used in this study to compare different injection scenarios. Equation 1 has been used to
calculate the injectivity index values for the base-case and sensitivity-analysis simulations.

1= pmj"_ ea SO (1)

where,
I1 = injectivity index (m*/day/bar)

q = injection rate (m*/day)
Pinj = injection pressure (bar)

P: = reservoir pressure (bar)

4. Results

4.1 Base Case

The 3D plot in Figure 2 displays the effect of CO, injection on solid saturation at an injection rate of 1.0
M-Ton/yr, 35 °C injection temperature, and 70,000 ppm brine salinity. The plot exhibits approximately
2.3% solid saturation with 50 m saturation diameter. Injectivity Index was estimated to be 101,653
m?/day/bar against 172 bar injection pressure.

View From Above View From South

Figure 2. 3D Solid Saturation plot at 1.0 M-Ton/yr injection rate

4.2 Sensitivity Analysis

Multiple simulations were carried out to perform the following sensitivity analysis:
e Injection rate: 0.25 M-Ton/ yr and 0.5 M-Ton/yr

e Injection temperature: 45 °C and 55 °C

e Brine Salinity: 50,000 ppm and 30,000 ppm

Table 2 highlights the simulation results of the base case and sensitivity analysis based on the above-
mentioned scenarios:
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L Inj. Rate | Inj. Brine Solid Saturation Inj. Injectivity
Case Injection Temp | Salinity | Saturation | Diameter | Pressure Index
Scenario M-
Ton/yr) °0O) (ppm) (%) (m) (bar) (m3/day/bar)
1 Base Case 1.0 35 70,000 23 50 172 101,653
2 Injection 0.25 35 70,000 23 24 160 116,537
3 Rate 0.50 35 70,000 23 34 164 169,038
4 Injection 1.0 45 70,000 1.9 50 170 115,229
5 Temperature 1.0 55 70,000 1.6 50 169 125,704
6 1.0 35 50,000 1.5 45 171 106,365
Brine Salinity
7 1.0 35 30,000 1.2 45 170 115,229

Table 2. Simulation results based on multiple CO; injection scenarios

5. Discussion

5.1 Case 2 and 3:

Simulation results indicate that the saturation diameter reduced with a reduction in the CO injection rate,
whereas the solid saturation remained the same. Consequently, injectivity index improved due to reduced
injection pressure, indicating less near wellbore permeability reduction due to small precipitation
envelope. It exhibits that CO; injection system at high injection rate encounter early pressure buildup
which impedes further CO; injectivity in the formation.

5.2 Case 4 and 5:

Simulation results indicate that solid saturation reduced with the increasing CO» injection temperature,
whereas the saturation diameter remained the same. Consequently, injectivity index improved due to
reduced injection pressure, indicating less near wellbore permeability impairment due to reduced mineral
precipitation. These results supplement the concept that CO, solubility decreases at high temperature
which reduces brine acidification and ultimately reduces secondary mineral precipitation.

5.3 Case 6 and 7:

Simulation results indicate that both solid saturation and saturation diameter reduced with the decreasing
formation brine salinity. Consequently, injectivity index improved due to reduced injection pressure,
indicating less near wellbore permeability impairment due to both reduced mineral precipitation and
precipitation envelope. It exhibits that brine with low salinity contains less dissolved ions which reduces
solid precipitation. CO; solubility also increases with decreasing salinity which decreases pressure build-
up near wellbore and ultimately improves injectivity.

6. Conclusions

This study has examined the coupled effects of multiphase flow, heat transfer, and geochemical reactions
to evaluate the evolution of CO; injectivity in saline aquifers. The results demonstrate that the near-wellbore
mineral precipitation can impede the long-term CO» injectivity in subsurface formations due to permeability
impairment.

The findings in this study highlight that the optimization of injection rate, injection temperature, and
formation brine salinity can aid in reducing the near wellbore mineral precipitation. Lower injection rate,
higher injection temperature, and lower salinity can mitigate the near wellbore permeability impairment
and ultimately improve the injectivity index.
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Overall, this research has incorporated comprehensive THC modeling, which fills a critical research gap
by identifying the key operational parameters that can be optimized and aid in improving the efficiency of
the CO» injection systems.
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