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Abstract 

This study examines how altering wettability affects field-scale geologic CO2 storage by injecting SiO2 
nanoparticles that modify the near-wellbore region to a strongly water-wet state. The objectives included 
experimentally measuring nanoparticle adsorption on quartz sands and changes in relative permeability 
during CO2/water two-phase flow, as well as applying laboratory results to study CO2 injectivity in field-
scale simulations. Experiments used sandpacks made of Accusil quartz and compared untreated systems 
with nanoparticle-treated ones. Drainage and imbibition experiments yielded distinct relative 
permeabilities, confirming that nanoparticle adsorption altered wettability. The history-matched 
experimental results were then integrated into the Sleipner geological model using Corey’s relative-
permeability model. Simulation cases used varying injection amounts and concentrations to analyze the 
effects of nanoparticle injection on CO2 injectivity. Applying the experimentally derived relative-
permeability model to the site’s original data showed that injecting 1.0 tonne of nanoparticles made the 
near-well region within 4.0 m of the injection well more water-wet, increasing CO2 injectivity by 35%. 
Simulation results indicated that injectivity enhancements were primarily driven by wettability alteration, 
while the affected diameter played a secondary role. 
 

Introduction 
 

CCUS involves capturing CO2 from various emission sources and storing it in deep geologic formations 
such as depleted hydrocarbon reservoirs, hydrothermal systems, deep coal seams, and saline aquifers 
(Bachu, 2015; Akin et al., 2025). These formations are estimated to provide a storage capacity of 8,000–
55,000 GtCO2, offering a substantial long-term mitigation pathway (Dooley, 2013; Bui et al., 2018). Among 
potential storage formations, saline aquifers are viewed as the most promising option because of their broad 
availability and storage capacity. Large-scale projects, including Sleipner, Snøhvit, Quest, and the Illinois 
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Basin Decatur Project, have stored millions of tonnes of CO2, demonstrating the sustainability of CO2 

storage operations (Maldal and Tappel, 2004; Bachu and Gunter, 2004; Bourne et al., 2014; Finley, 2014). 
 

Well injectivity in CO2 storage is a vital parameter that controls injection timelines and operational costs. 
Injectivity depends primarily on petrophysical properties such as permeability and rock compressibility, as 
well as relative permeability and capillary pressure, both of which are directly controlled by the rock’s 
wettability (Machado et al., 2023; Burton et al., 2008). There is no consensus regarding which wetting state 
favors CO2 well injectivity. In strongly water-wet systems, well injectivity may be affected by salt 
precipitation and deposition caused by capillary-driven backflow near the well (André et al., 2014) and by 
fines migration and associated injectivity loss (Machado et al., 2023). The endpoint CO2 relative 
permeability is particularly important; higher endpoints yield higher injectivity (Lee et al., 2009), which 
can be achieved in strongly water-wet systems. When salt precipitation is unlikely (NaCl solubility at 40 
°C is approximately 36 g/100 mL), water-wet conditions tend to favor injectivity by increasing CO2 
mobility (Pinho and Macedo, 2004; Lee et al., 2009). 
 

This study examined how wettability affects CO2 well injectivity by injecting a SiO2 nanoparticle solution 
as a wettability modifier. To the best of our knowledge, this is the first study to evaluate nanoparticle-
induced changes in wettability to improve CO2 injectivity. The study integrated sandpack experiments with 
field-scale simulations, tested multiple injection strategies, and extended earlier nanoparticle studies 
focused on CO2 trapping to field-scale injectivity enhancements (Sevindik et al., 2025). 
 

Experiments and Field-Scale Simulation Case Study 
 

To assess the impact of SiO2 nanoparticle injection, sandpack experiments (2.58 cm in diameter, 31.00 cm 
in length) were conducted without (Exp. #1) and with nanoparticle injection (Exp. #2) at a 0.50 wt.% 
concentration. The experiments were conducted under atmospheric conditions, so analog fluids were used, 
namely Soltrol 220 (density 787.0 kg/m3, viscosity 4.43 mPa-s) and a glycerol/brine mixture (density 
1117.0 kg/m3, viscosity 4.35 mPa-s), to represent the CO2–brine binary system under subsurface conditions 
(Sevindik et al., 2025). For each experiment, the corresponding relative-permeability curves were obtained 
through numerical history matching. To evaluate wettability, the modified Lak index (IML) was used, which 
increases with increasing water-wetness (Mirzaei-Paiaman et al., 2022). Key properties of the sandpack 
flooding experiments are given in Table 1. 
 
 

Table 1. Summary of experimental cases and the sandpack properties. φ stands for porosity, Ssr stands for residual Soltrol 220 saturation, Sirw stands 
for irreducible water saturation, krs stands for Soltrol 220 relative permeability, and krw stands for water relative permeability. 

Exp. # U.S Sieve Fraction Nanoparticle Treatment φ Ssr Sirw krs @ Sirw krw @ Ssr IML 
1 20-30 - 0.42 0.226 0.348 0.572 0.560 -0.13 
2 Done 0.40 0.223 0.262 0.886 0.430 +0.45 

 

 
Furthermore, the field-scale simulations used the Sleipner CO2 injection site’s model, adopted from the 
Sleipner 2019 Benchmark Model (2020), covering an area of 3.2 × 5.9 km2. The simulation domain was 
discretized into 64 × 118 × 74 grid blocks, with 25-fold grid refinement near the horizontal injector (86.2° 
inclination angle), resulting in a total of 624,774 grid blocks. The CMG GEM (GEM User Manual, 2024) 
was used to solve the conservation equations. The relative permeability of the brine-CO2 system for the 
Utsira Formation (the target injection zone in the Sleipner project) was taken from Akervoll et al. (2009). 
The model was simulated for 10 years of CO2 injection at an injection rate of one million tonnes per year. 
 

To translate the wettability alteration observed in sandpack flooding experiments to the field scale, firstly, 
Corey’s relative-permeability scaling was applied to estimate the altered relative-permeability curves for 
the Utsira Formation. Secondly, to account for varying nanoparticle concentrations and adsorption levels 
across the reservoir, an interpolation function was implemented to model intermediate wettability states as 
described in CMG STARS (STARS User Manual, 2024). The end-point relative permeability values for 
the CO2-rich phase (krg @ Sirw) across different injection cases are given in Table 1.  
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The nanoparticle injection cases were grouped into three sets (Table 1). Cases 1–3 evaluated the effect of 
injection mass at a fixed concentration in the injection water (0.50 wt.%) using the experimental adsorption 
value of 17.44 mg-NP/100.0 g-rock. Note that 1.0 tonne (Case 1) was the minimum mass identified to alter 
wettability. Cases 4 and 5 used lower concentrations for the same injection mass as Case 2, assuming a 
linear relationship between injection concentration and nanoparticle adsorption (Hu et al., 2016). Moreover, 
those lower-concentration cases could introduce uncertainty about how adsorption translates into 
wettability alteration. Hence, additional cases for those injection concentrations were investigated (Cases 
4-LW, 4-MW, 5-LW, and 5-MW) to account for the nonlinear relationship between adsorption amount and 
wettability alteration, which biased wettability toward being either more or less water-wet (“MW” or “LW” 
for Cases 4 and 5). 

 
 

Table 1. Simulated cases to analyze the effect of nanoparticle injection amount, injection concentration, and nonlinear wettability alteration. For 
nonlinear wettability-alteration cases, LW and MW stand for the less and more water-wet conditions, respectively. Key results are presented as 
adsorption amounts, the Lak indexes, well injectivity (I), and the impacted diameter in the near-wellbore region. 

Case # Cumulative Injection 
tonnes 

Concentration 
wt.% 

Adsorption 
(mg-NP/100.0 g-rock) krg @ Sirw Lak 

Index 
Average I 
m3/d/kPa 

Impacted Diameter 
m 

Base 0.0 0.00 0.00 0.302 0.06 12.34 0.0 
1 1.0 0.50 17.44 0.714 0.70 16.63 4.0 
2 2.5 0.50 17.44 0.714 0.70 17.51 8.0 
3 10.0 0.50 17.44 0.714 0.70 18.48 18.0 
4 2.5 0.05 1.79 0.344 0.17 13.76 30.0 
5 2.5 0.10 12.21 0.590 0.58 17.21 12.0 
4-LW 2.5 0.05 1.79 0.303 0.07 12.64 30.0 
4-MW 2.5 0.05 1.79 0.535 0.51 16.52 30.0 
5-LW 2.5 0.10 12.21 0.401 0.30 14.51 12.0 
5-MW 2.5 0.10 12.21 0.679 0.66 18.03 12.0 

 

 
Results and Discussion 
 

The results for the base case and Cases 1-3 are presented in Figure 1a, as the pressure propagation away 
from the wellbore from the middle completion interval of the horizontal injector along the y-direction. 
Dashed lines mark the nanoparticle-affected regions, within which the pressure gradient was approximately 
1.75 kPa/m. This extended to diameters of 4.0, 8.0, and 18.0 meters across the cases. Beyond the affected 
zone, the pressure gradient increased by approximately 26% to 2.20 kPa/m. In combination with the reduced 
pressure gradient and the extent of the wettability-alteration zone, these effects directly influenced the 
pressure propagation and the well bottom-hole pressures (Pbhp) as shown in Figure 1b. 
 

Figure 1b shows the simulated Pbhp histories. Cases 1–3 had similar Pbhp values because wettability alteration 
occurred in each case within the near-wellbore region (about 4.0, 8.0, and 18.0 meters), which was sufficient 
to lower the pressure buildup. This pattern was driven by a rapid reduction in water saturation in the near-
wellbore: as CO2 was injected, water saturation quickly dropped to irreducible levels, after which the 
endpoint CO2 relative permeability controlled the Pbhp response (Table 1). Differences among cases arose 
from the extent of nanoparticle spread, where well injectivity was enhanced relative to the base case.  
 

Figure 2 presents simulation results for cases that vary in injection concentration and in the degree of 
nonlinearity between adsorption and wettability alteration. The error bars span from the LW cases at the 
bottom of the bars to the MW cases at the top. The data suggest that a 0.05 wt.% injection concentration 
produced minimal enhancement in injectivity unless the wettability shift favored a more water-wet 
condition than observed in the experiments. Even then, the increase in well injectivity did not exceed the 
improvement seen with 0.50 wt.%. Conversely, a 0.10 wt.% injection concentration significantly improved 
well injectivity, matching the 0.50 wt.% enhancement level. Additionally, if wettability shifted toward a 
less water-wet state, a 17.6% increase in injectivity would still be observed. 
 

The mechanism that enhanced injectivity was the combined effect of near-wellbore nanoparticle adsorption 
and the extent of the wettability-alteration zone. Both parameters promoted injectivity; however, higher 
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injection concentrations increased adsorption, which limited nanoparticle spreading and reduced the extent 
of the stimulated zone. A 0.10 wt.% injection concentration balanced these two factors, yielding an 
adsorption of 12.21 mg-NP/100.0 g-rock and an affected diameter of 12.0 m around the well. Lower 
injection concentrations, such as 0.05 wt.%, were unlikely to be effective unless the wettability alteration 
associated with nanoparticle adsorption was heavily biased toward a strongly water-wet state. 
 
 

 
            (a)     (b) 

Figure 1. Results of the nanoparticle injection cases varying on injection mass (Cases 1-3, Table 1); (a) Pressure profiles away from the wellbore 
(the well at 0 m), constructed from the x-y cross-section at completion depth for the simulated cases after 10 years of CO2 injection. Dashed lines 
represent the wettability-alteration zone; (b) Pbhp for the simulated cases for the CO2 injection period. 
 
 

 
Figure 2. Results of the impact of injection concentration on well injectivity. The y-axis represents the normalized injectivity relative to the base 
case, and the x-axis represents the injection concentration in wt.% on a log scale. IML stands for modified Lak index. 
 
 

In Figure 3, a range of formation water wetness, measured by the IML, is shown for rock samples (red dots) 
from major sandstone saline aquifers that have stored CO2 (Shi et al., 2013; Bauer et al., 2019; Bachu et 
al., 2013; Reynolds and Krevor, 2015). The original state of the Utsira formation, the experimental data, 
and field-scale simulations at different concentrations are shown by yellow dots. This figure shows that 
injectivity increased with higher water-wetness (Table 1, Figures 1-2). It is beneficial to assess the wetting 
state of aquifers beforehand. This helps determine whether a wettability modifier could be used to improve 
well injectivity, while accounting for uncertainties specific to the target formation.  
 
 

 
Figure 3. Calculated IML for sandstone saline aquifers (red dots) and the experiments/simulations involving different concentrations (yellow dots). 
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Conclusions 
 

This study investigated the potential of SiO2 nanoparticles as a wettability modifier to improve CO2 
injectivity by combining sandpack flooding experiments with field-scale numerical simulations. Results 
showed that injecting at least 1.0 tonne of nanoparticles increased CO2 injectivity by more than 35% and 
that injecting larger amounts expanded the wettability-alteration zone around the wellbore, producing 
smaller pressure gradients farther into the formation. While nanoparticle concentration strongly controlled 
injectivity enhancement, dilute injections spread more widely with relatively minor wettability alteration. 
The degree of water wetness was the primary driver of injectivity improvement, whereas the impacted 
diameter played a secondary role. 
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