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Abstract 
This study aims to assess the impact of relative permeability hysteresis and capillary pressure on the long-term 
sequestration of CO2 in sandstone aquifers. The scope includes evaluating the evolution of CO2 trapping mechanisms, 
including dissolution, residual trapping, mineralization, and their variations over time. We employ a fine-scale 
numerical model based on a hypothetical siliciclastic reservoir to simulate 1000 years, including ten years of active 
injection followed by a monitoring phase. The effect of relative permeability hysteresis and capillary pressure on CO2 
trapping is analyzed for different time periods. The results reveal that capillary pressure is the most significant 
parameter that significantly increases the desired trapping mechanisms, such as residual, dissolution, and 
mineralization. At the end of 1000 years, a negligible fraction of CO2 exists in the mobile phase when capillary 
pressure is included in the simulation. However, almost 50% of the injected CO2 remains in the mobile phase when 
only relative permeability hysteresis is included in the model. Over the long term, dissolution trapping becomes the 
most dominant trapping mechanism, with mineralization contributing only a small fraction of sequestered CO2. The 
impact of relative permeability hysteresis and capillary pressure on different trapping mechanisms is quantified, 
emphasizing their importance in predicting CO2 behavior. This study provides critical aspects of CO2 storage behavior 
and the impact of critical factors like relative permeability hysteresis and capillary pressure. The findings highlight 
the complexities of CO2 trapping mechanisms over extended timeframes and demonstrate the importance of these 
factors in optimizing carbon capture and storage strategies. This research offers new information that can benefit 
geoscientists in improving the accuracy of CO2 storage predictions and the safety of geological carbon sequestration. 
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Introduction 
Carbon dioxide (CO2) accounted for approximately 79% of the total U.S. greenhouse gas (GHG) emissions 

in 2021 based on 100-year global warming potential [1]. The rise in GHG has increased the frequency and severity of 
climate-related disasters such as drought, flooding, storms, cyclones, wildfires, and winter storms. These natural 
disasters have resulted in significant measurable economic and societal damages. Despite a slight reduction in CO2 
emissions in 2020 due to the economic slowdown from the global pandemic, the CO2 emissions rebounded to the 
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previous level in the subsequent years [2]. As the appetite for energy increases to fuel the economic output, there is a 
potential for a further rise in GHG in the atmosphere, resulting in irreversible damage to human society. In a 
sustainable development scenario proposed by the International Energy Agency (IEA) in which global CO2 emissions 
from the energy sector fall to zero on a net basis by 2070, the majority of gain (~35%) is expected to come from 
improved energy efficiency [3]. The remaining improvements are expected from other areas, such as the shift to 
electrification and renewable fuels. CCUS (carbon capture utilization and storage) is projected to account for nearly 
15% of the cumulative reduction in 2070 [4]. The contribution is expected to grow over time due to technological 
advancements and a fall in costs. Within CCUS, the geological sequestration of CO2 into deep saline aquifers has 
garnered significant interest due to the potential of these geological formations to serve as massive storage volumes 
and long-term storage security [5,6].  

Four main mechanisms play an important role in trapping the injected CO2 in subsurface formations: 
hydrodynamic/structural, residual, solubility, and mineralization trapping. For long-term storage security, the latter 
three mechanisms are preferred as they reduce the mobility of the injected CO2. Among the three mechanisms, 
mineralization plays only a minor role in long-term CO2 storage, especially in siliciclastic formations, as it is not 
kinetically favored. Although dissolution trapping is the most dominant trapping mechanism in the long term [7,8], 
residual trapping traps the most significant fraction of CO2 during the active injection and early part of the simulation 
phase [9]. During residual trapping, the injected CO2 gets trapped as disconnected ganglia within the pore spaces. The 
continuous phase CO2 snaps off and cannot flow as the saturation is below the critical saturation value within the 
trapped pores. The residually trapped CO2 is immobilized throughout the reservoir, impeding its release into the 
atmosphere. The injected CO2 begins to be residually trapped as soon as the injection starts, as the injected CO2 rises 
through the reservoir due to the density gradient. The residual trapping occurs mainly due to the capillary forces and 
reservoir properties such as wettability and pore morphology/connectivity. Additionally, the capillary pressure and 
relative permeability hysteresis have a significant impact not only on residual trapping but also on other trapping 
mechanisms. Although the short-term impact of capillary pressure and relative permeability hysteresis has been 
investigated for residual trapping mechanisms, its long-term implications for dissolution, mineralization, and overall 
CO2 sequestration are unclear, which is addressed in this paper.  

Theory and Methodology 
We use a compositional numerical reservoir simulator (CMG-GEM v. 2023.20) to build a 2D model for CO2 

storage in a deep saline aquifer. The simulator solves the fundamental mass and momentum transport in a closed 
system. The gas density is calculated with the Peng and Robinson equation (PR-EOS) [10], and the aqueous phase 
density and viscosity are calculated by Rowe and Chou [11] and Kestin et al. [12] correlation, respectively. The 
thermodynamic equilibrium of the gaseous and aqueous phases are modeled by the equality of the fugacity of the 
component in the gaseous and aqueous phases. The fugacity of a component in a gaseous phase is calculated using 
the PR-EOS [10]. Henry's law is used to calculate the fugacity of the components soluble in the aqueous phase. Henry's 
constant (𝐻𝐻𝑖𝑖) is a function of pressure, temperature, and salinity. The variation of Henry's law constants based on 
reservoir pressure and temperature are modeled by using the Harvey correlation [13]. The molecular diffusion of CO2 
in brine is modeled using Fick's second law. 

A homogeneous two-dimensional (2D) model with 4060 cartesian grid blocks (divided into 203x1x20 in I, 
J, and K directions, respectively) is created with a top-grid depth of 1700 m to represent a saline aquifer, as shown in 
Fig. 1. The grid block size in the I and K directions are optimized to use refined grid-blocks close to the wellbore 
using logarithmically spaced local grid refinement. We use no-flow boundaries at all four edges of the model. 

 
Fig. 1— Synthetic reservoir model used in the study. 
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The reservoir properties used for the simulation are: 

Parameter Units Value 

Grid cell number - 4,060 (203x1x20) 

Length m 1,000 

Height m 100 

Depth at the top m 1,700 

Porosity fraction 0.15 

Kv/Kh ratio - 0.1 

Permeability mD 100 

Pressure Kpa 17,000 

CO2 injection rate m3/day 100 

Diffusion coefficient of CO2 in brine m2.s-1 2x10-5 

Salinity ppm 40,000 

Injection rate m3/day 100 

Well bottom hole pressure (Maximum) kPa 44,500 
Table 1— Reservoir initial properties for the base case model 

Chemical reactions occur between the minerals and aqueous components (heterogeneous reaction) and among the 
components within the aqueous phase (homogeneous reaction). The aqueous reactions are modeled as fast 
instantaneous equilibrium reactions, whereas the mineral reactions are modeled by using the transition state theory 
(TST) [14]. The solubility/dissolution of minerals is calculated based on the method described in Ngheim [15] using 
the solubility index. The following reactions and relevant inputs considered in the study are given in Table 2. Mineral 
reactive surface area (RSA) is a dynamic property; it changes with time and is significantly influenced by the 
heterogeneity, shapes, and complex contact interfaces [16]. This high degree of uncertainty of the mineral RSA is 
considered in our companion study [17], by simulating different cases using wide ranges of reported values in the 
literature. Results from our study showed that compared to other minerals, the RSA of quartz significantly influences 
the CO2 mineralization process.  

Reaction 
 

Log-rate 
constant, log 𝑘𝑘𝑏𝑏 , 
[𝑚𝑚𝑚𝑚𝑚𝑚/(𝑚𝑚2𝑠𝑠)]  
at 250𝐶𝐶 

Reactive 
surface area* 
𝐴𝐴𝚥𝚥� , [𝑚𝑚2/𝑚𝑚3] 

Activation 
energy, 𝐸𝐸𝑎𝑎𝑎𝑎 ,) 

[𝑗𝑗/𝑚𝑚𝑚𝑚𝑚𝑚] 

𝑄𝑄𝑄𝑄𝑄𝑄𝑄𝑄𝑄𝑄𝑄𝑄 (𝑆𝑆𝑆𝑆𝑂𝑂2) =  𝑆𝑆𝑆𝑆𝑂𝑂2(𝑎𝑎𝑎𝑎) -13.4 2,650 90,900 

K − feldspar (KAlSi3O8) + 4 𝐻𝐻+

=  3 𝑆𝑆𝑆𝑆𝑂𝑂2 + 𝐴𝐴𝑚𝑚3+ + 𝐾𝐾+ +  2 𝐻𝐻2𝑂𝑂 
-10.06 995,840 51,700 

𝐴𝐴𝑚𝑚𝐴𝐴𝑆𝑆𝑄𝑄𝐴𝐴 (𝑁𝑁𝑄𝑄𝐴𝐴𝑚𝑚𝑆𝑆𝑆𝑆3𝑂𝑂8) + 4 𝐻𝐻+

=  3 𝑆𝑆𝑆𝑆𝑂𝑂2 + 𝐴𝐴𝑚𝑚3+ +  𝑁𝑁𝑄𝑄+ +  2  𝐻𝐻2𝑂𝑂 
-10.16 1,021,800 16,600 

𝐶𝐶𝑄𝑄𝑚𝑚𝐶𝐶𝑆𝑆𝑄𝑄𝐴𝐴 (𝐶𝐶𝑄𝑄𝐶𝐶𝑂𝑂3) + 𝐻𝐻+ =  𝐻𝐻𝐶𝐶𝑂𝑂3− + 𝐶𝐶𝑄𝑄2+ -0.3 2,710,000 14,400 

𝐷𝐷𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑆𝑆𝑄𝑄𝐴𝐴 (𝐶𝐶𝑄𝑄𝐶𝐶𝐶𝐶(𝐶𝐶𝑂𝑂3)2) + 2 𝐻𝐻+

=  2 𝐻𝐻𝐶𝐶𝑂𝑂3−  + 𝐶𝐶𝐶𝐶2+ + 𝐶𝐶𝑄𝑄2+ 
-3.19 284,000 56,700 

𝑆𝑆𝑆𝑆𝑆𝑆𝐴𝐴𝑄𝑄𝑆𝑆𝑄𝑄𝐴𝐴 (𝐹𝐹𝐴𝐴𝐶𝐶𝑂𝑂3)  + 𝐻𝐻+ = 𝐻𝐻𝐶𝐶𝑂𝑂3− + 𝐹𝐹𝐴𝐴2+ -10.097 3880.8 56,000 

𝐾𝐾𝑄𝑄𝑚𝑚𝑚𝑚𝑆𝑆𝐾𝐾𝑆𝑆𝑄𝑄𝐴𝐴 (𝐴𝐴𝑚𝑚2𝑆𝑆𝑆𝑆2𝑂𝑂5(𝑂𝑂𝐻𝐻)4) + 6 𝐻𝐻+

= 2 𝑆𝑆𝑆𝑆𝑂𝑂2 + 2 𝐴𝐴𝑚𝑚3+ + 5 𝐻𝐻2𝑂𝑂 
-11.31 1,014,950 65,900 

*RSA values reported in other units in cm2/g and m2/g converted to m2/m3 

Table 2 — Mineral dissolution/precipitation reactions and kinetic parameters [18–21] 
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The initial volume fraction of the minerals [22] and brine chemistry [20,23] are given in Table 3 and Table 4, 
respectively. The mineral volume fractions and brine chemistry represent the Mount Simon formation. 

Mineral Volume fraction (%) 

Quartz 0.540 

Albite 0.0176 

K-feldspar 0.198 

Calcite 0.00852 

Dolomite 0.0244 

Kaolinite 0.0261 

Siderite 0.0350 

Porosity 0.15 

Total 1.00 
Table 3— List of initial mineral volume fractions used for the simulation. 

 

Ion H+ Ca2+ Mg2+ K+ Na+ Cl- Al3+ Fe2+ SiO2 

Concentration 
(mol/kg of H2O) 

1.003e-6 0.47 0.099 0.036 1.8 9.034  1e-5 0.0014 0.003 

Table 4— Brine chemistry [15,24,25]. 

The relative permeability curves for water and gas were generated using the Brooks-Corey function [26]. In this study, 
the value of Corey exponents 𝑁𝑁𝑔𝑔 and 𝑁𝑁𝑤𝑤 is set to 4 and 9, respectively, and the value of 𝑘𝑘𝑟𝑟,𝑔𝑔(𝑆𝑆𝑤𝑤𝑖𝑖) is assumed to be 
0.95 [27]. The irreducible water saturation (𝑆𝑆𝑤𝑤𝑖𝑖) is assumed to be 0.22. As the aquifer is water wet, the liquid phase 
relative permeability curves are considered the same for drainage and imbibition processes [9,28]. However, the gas 
phase relative permeability experiences hysteresis, which was modeled by the Carlson model coupled with Land's 
model [29]. The maximum residual gas saturation due to hysteresis was selected as 0.21. The Brooks-Corey equation 
[26] is also used to obtain the capillary pressure for drainage with a capillary entry pressure of 4.6 kPa [27]. Capillary 
pressure hysteresis was not considered. Fig. 2 shows the relative permeability with some of the scanning curves for 
Krg and the capillary pressure curve used in the base case model. 
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Fig. 2— (a) Relative permeability and scanning curve for drainage and imbibition and (b) Capillary pressure curve[17]. 

Results and Discussion 
This section presents the results from the geological model simulated for 1000 years, which includes a 10-year 
active simulation followed by the post-injection phase. The maximum bottom hole pressure constraint of 44,500 kPa 
is implemented for each run, which does not come into play for the injection rate used in the simulation. Hence, for 
each run, a fixed volume of CO2 is injected, enabling fair comparison among all the cases. The simulation runs 
explored in this study are listed below: 

Case  Description 

1 Includes both relative permeability hysteresis (Kr) and capillary pressure 

2 Ignores both relative permeability hysteresis (Kr) and capillary pressure 

3 Includes capillary pressure but not relative permeability hysteresis  

4 Includes relative permeability hysteresis but not capillary pressure  

Table 5— List of simulations evaluated in this study 

The total fraction of CO2 by different mechanisms over the simulation period is illustrated in Fig. 3. During the active 
injection period of CO2, the fraction of ScCO2 in the reservoir rapidly increases. Fig. 3a shows up to 80% of the 
injected CO2 exists in the supercritical phase for cases 2 and 4.  We can also observe that the residually trapped CO2 
is at a minimum for case 2, which means that most of the injected gas exists in the mobile phase. This is because the 
relative permeability hysteresis included in cases 1 and 4 trap the injected CO2 as an immobile phase. As soon as the 
injection is stopped, we observe a drastic increase in the fraction of residual CO2 during the imbibition phase.   
Furthermore, the case with just relative permeability hysteresis (case 4) shows a higher fraction of residually trapped 
CO2 compared to the case with just capillary pressure (case 3). However, Fig. 3a shows that the fraction of ScCO2 in 
case 3 decreases significantly compared to all the other cases due to the significant increase in dissolution and 
mineralization. This is because case 3 has a larger fraction of mobile ScCO2 than case 4 (or case 1), which comes in 
contact with fresh brine and gets trapped over larger areas due to capillary trapping. This results in faster dissolution 
compared to the case with residual trapping, which concentrates immobile CO2 in a limited area, as will be seen later 
in Fig. 4. Other simulation and experimental studies [30,31] have also concluded that capillary pressure significantly 
enhances the dissolution of brine in reservoir conditions. The higher capillary pressure reduces gravity segregation, 
which results in a more homogeneous CO2 plume, improving its dissolution. The increase in surface area between the 
immobilized CO2 and brine also leads to improved mineralization, as observed in Fig. 3d and prior studies [30,31]. 
The results in this study also highlight that vertical permeability anisotropy has a significant impact on dissolution 
trapping. Our prior study showed that when there is no vertical permeability anisotropy, over 80% of the injected CO2 
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may be trapped in the dissolved phase [17]. However, in this study, we only observe a maximum dissolution trapping 
of around 70% (case 3), as the reduced permeability in the vertical direction severely impedes the Rayleigh Taylor 
convective dissolution [32].  

Although the relative hysteresis improves residual trapping, Figs 3b-d shows that it has a detrimental impact on 
dissolution and mineralization trapping. The residual CO2 is immobilized in the pore spaces during the imbibition 
process and hence encounters limited contact with the brine, resulting in a decrease in both dissolution and 
mineralization trapping of CO2. Overall, the least amount of the injected CO2 exists in the mobile phase for case 3. 
We also observe that the fraction of CO2 trapped by mineralization is negligible after 1000 years for each case. 
However, mineral precipitation and dissolution can significantly impact reservoir flow properties, as evaluated in other 
studies [17,33].   

  
(a) Supercritical (b) Residual 

 

 

 

 
(c) Dissolved (d) Mineralized 

Fig. 3— Fraction of CO2 (specific phase/total injected) in (a) Supercritical, (b) Residually trapped, (c) Dissolved, and (d) Mineralized 
phases. The supercritical phase includes both mobile and residually trapped phases.  

The results shown in Fig. 3 can also be verified using the saturation plots after ten years, as shown in Figs. 4a-b for 
Cases 1 and 2. In cases where capillary forces are active (Fig. 4a), the gas saturation distribution reaches a maximum 
value of 0.34 around the perforation zone. The gas also does not reach the top of the reservoir during the active 
injection period. However, for case 2, which does not include capillary pressure and relative permeability hysteresis, 
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the highest gas saturation of 0.84 is observed around the perforation zones, and the injected CO2 reaches the top of 
the reservoir. To further illustrate that case 2 has higher overall gas saturation, the scale of the saturation plot is 
constrained to 0.41 and highlighted in Fig. 4c.  In order to isolate the effect of relative permeability hysteresis and 
capillary pressure, saturation plots of cases 3 and 4 (not shown) were compared to Figs. 4a-b, shown below. The 
saturation plot for case 1 was identical to case 3, whereas case 2 was identical to case 4. This result indicates that 
capillary pressure enhances the conversion of gas phase CO2 to dissolved or mineralized form. 

  

  
Fig. 3— Gas saturation after 10-years of active injection for (a) case 1 and (b) case 2. The magnified view of the wellbore shown in 
(b) after changing the upper scale is shown in (c).  

As the bottom-hole pressure never reaches the imposed constraint, the well operates at a constant rate throughout the 
simulation period and reaches a pressure of slightly over 33,000 kPa. However, after the injection is stopped, we 
observe a rapid decline in the bottom-hole pressure for case 3, which can be attributed to the high rate of dissolution 
observed (Fig. 3b). If only Henry's law is considered for dissolution, case 4, which has the highest pressure, it should 
have experienced the highest dissolution rate. The results here further reinforce the observation that capillary pressure 
has a significant implication for dissolution trapping for CO2 sequestration in deep saline aquifers. Furthermore, we 
can also conclude that relative permeability hysteresis increases residual trapping but does not impact dissolution 
trapping.  

 

 

0.84
0.60

(a)

(b) (c)
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Fig. 5—The well bottom-hole pressure for each case after 1000 years of simulation. 

Conclusions 
This study evaluated the impact of relative permeability hysteresis and capillary pressure on different CO2 trapping 
mechanisms. The key findings from this study are listed below: 

a) Capillary pressure is the most critical parameter that influences both dissolution and mineralization of CO2 
in saline aquifers (Figs. 3c-d). 

b) The relative permeability hysteresis increases the residually trapped CO2, but it negatively impacts 
dissolution. This is because the relative permeability hysteresis traps a larger fraction of CO2 within a limited 
area, limiting its contact with fresh brine (Fig. 4b). 

c) Dissolution and residual trapping are the most significant trapping mechanisms comprising the bulk of CO2 
trapped in saline aquifers.  

d) The low vertical permeability reduces the Rayleigh-Taylor convective dissolution, significantly reducing the 
fraction of CO2 trapped by dissolution. 

The findings in this study show that parameters used to model the capillary trapping and the relative permeability of 
a reservoir should be accurately characterized to estimate the amount of CO2 trapped by various mechanisms.  
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